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Power Generation 101 


Btu - the amount of 
heat required to 
increase the 
temperature of 1 
pound of water ata 
given temperature by 1 
degree Fahrenheit (°F) 


heating value - 
how many Btu are 
produced by the 
complete 
combustion of a 
given substance 


kilowatt hour 
(kWh) — 1,000 
kilowatt hours are 
enough power to 
supply 1,000 homes 
for one month 


1 kWh = 3,413 Btu 


heat rate — the 
efficiency of a 
power plant 


Please see important disclosure information on pages 20 - 22 of this report. 


Two topics that will help in the understanding of generating plants are energy and efficiency. 


Energy 

One measurement of energy that is commonly used is the British thermal unit (Btu). 1 Btu 
is the amount of heat required to increase the temperature of 1 pound of water at a given 
temperature by 1 degree Fahrenheit (°F). Fuels used in power plants are rated based on 
how many Btu are produced by the complete combustion of a unit which is commonly 
referred to as the heating value. Below is a table of various fuels and their heating value. 


Table 1: Heating Value of Various Fuels 


Fuel Unit Heating Value (Btu) 
Dry Wood pound 5,800 
Natural Gas cubic feet 1,000 

# 2 Oil (diesel) gallon 138,500 

# 6 Oil (bunker) gallon 148,000 
Lignite Coal pound 8,300 
Western (Powder River Basin) Coal pound 9,000 

Interior Region Coal pound 11,000 
Appalachian (Eastern) Coal pound 12,000 


Source: Jefferies & Company, Inc. Research 


The last conversion factor that you need to know is that for every kilowatt-hour (kWh) of 
electricity there are 3,413 Btu. 


Efficiency 

The efficiency of a power plant is described as the heat rate of the plant. The heat rate 
measures the amount of heat energy (Btu) needed to produce one unit of electrical energy 
(kWh). If a power plant was 100% efficient, it would have a heat rate of 3,413 Btu/kWh which 
is the number of Btu in 1 kWh. Early power plants were very inefficient and some used more 
than 30,000 Btu to produce 1 kWh of electric. The lower the plant heat rate, the more 
efficient the plant. 
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CCGT — combined- 
cycle gas turbine 


IGCC — integrated 
gasification combined 
cycle 


Spark Spread - gross 
margin for a gas 
power plant 


On Peak — for most 
regions of the 
country it is 7am — 
11pm Monday 
through Friday 
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Table 2: Power Plant Heat Rates for Different Types of Technology 


Technology Heat Rate (Btu/kWh) Efficiency 
New CCGT 7,000 49% 
Nuclear 10,000 34% 
Oil/Gas Peaker 12,000 28% 
Coal 10,000 34% 
IGCC 8,700 39% 


Source: Jefferies & Company, Inc. Research 


As you can see, the production of electricity is not a very efficient process. Until the 1980s, 
plant efficiency was at best 30%. Developments in turbine design have improved this 
efficiency so that new CCGTs power plants have an efficiency of approximately 50%. 
CCGTs also have a boiler that recovers heat that was previously discarded in old designs; 
this has also contributed to the improvement in efficiency. Some turbine manufactures 
have made tremendous improvements in jet-engine gas turbines; efficiencies have 
approached the 60% level 


Spark Spreads 

The variable cost of producing electricity is primarily a function of gas commodity prices and 
the heat rate of the plant. The spark spread calculates the relative profitability of 
converting gas into electricity, which is the best indicator of a gas-fired plant’s profitability. 


Spark Spread ($ per MWh) = Market Price of Electricity (§ per MWh) 
— Conversion Price of Gas to Power 


Where the Conversion Price of Gas to Power = Market Price of Gas 
per MMBtu x (Heat Rate / 1,000) 


For example, if we assume a $6.00 per MMBtu market price of natural gas, a $50 per MWh 
market price for electricity, and a 7,000 heat rate, we would calculate the spark spread as 
follows: 


Spark Spread ($ per MWh) — $50.00 _ 00 x (2) 


Spark Spread = $50.00 — $42.00 = $8.00 per MWh 


When the conversion price equals the market price, the spark spread would be zero. A 
power plant operating at this level would theoretically break even with respect to variable 
costs. A negative spark spread is produced when the conversion price exceeds the market 
price of electricity. When a plant operates at such levels, it would be more profitable to sell 
natural gas in the open market than burn it to create electricity. Spark spreads differ 
throughout the country since the price of gas and power vary as we move from region to 
region. 


A distinctive characteristic of electricity as a commodity is that its price is not universal. At 
any point in time, there will be several prevailing electricity prices in the market, varying by 
location as specified by the Reliability Councils. For example, on February 7, 2006, the 
closing price of firm on-peak electricity in the NPCC-NYC region was $83.50 per MWh, 
while it was $58.92 in the ERCOT (Texas) region. National off-peak pricing was on 
average $20 - $40 per MWh less than on-peak. The average differential between on-peak 
and off-peak for January 2006 was $27.84 
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NERC Regions - 
nine designated 
regions that are 
responsible for 
overall coordination 
of bulk power 
policies that affect 
the reliability and 
adequacy of service 
in their areas 
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Reliability Councils 

The country is split up into nine different regions, or reliability councils. The councils are 
responsible for overall coordination of bulk power policies that affect the reliability and 
adequacy of service in their respective areas. They also regularly exchange operating and 
planning information among their member utilities. The boundaries of the NERC regions 
follow the service areas of the electric utilities in the region, many of which do not follow 
state boundaries. 


Figure 1: North Atlantic Electric Reliability Council Regions 


ECAR - East Central Area Reliability Coordination Agreement 
ERCOT - Electric Reliability Council of Texas 

FRCC- Florida Reliability Coordinating Council 

MAAC - Mid-Atlantic Area Council 

MAIN - Mid-America Interconnected Network 

MAPP - Mid-Continent Area Power Pool 

NPCC - Northeast Power Coordinating Council 

SERC - Southeastern Electric Reliability Council 

SPP - Southwest Power Pool 

WSCC - Western Systems Coordinating Council 


Source: Energy Information Administration 


Jefferies tracks the spark spread for different NERC regions in our monthly publication 
(appropriately called) Jefferies’ Spark-It-Watch Monthly. Below is a table of the spark 
spreads, by region, as of January 20, 2006 and historical spark spreads at peak periods 
calculated over a 10 year period. The one-year forward spark spread uses the one-year 
forward price for electricity (2007) and the two-year spark spread uses the two-year forward 
(2008). Both quotes are obtained from Bloomberg 


Please see important disclosure information on pages 20 - 22 of this report. Jefferies & Company, Inc. 
Paul B. Fremont , pfremont@Jefferies.com, (212) 284-2466 Page 3 of 22 


Electric Utilities 


Table 3: National Average of Forward Spark Spreads as of December 18, 2006 


Dec2006 Fwd Sprk Spreads 
Region 1YrFwd 2 YrFwd 
MAIN, |] S484 5.31 


INP15 | 19.84] 23.23 
SPi5— | 23.35] 26.74 
ISPP&SERC_ | _44.13] 


Average 16.84 20.35 


Source: Jefferies & Company, Inc. Research and Bloomberg 


Figure 2: National Average of Actual Spark Spreads (Calculated at Peak Periods) 
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Source: Jefferies & Company, Inc. Research and Platts 
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Line losses - as 
electricity travels over 
a conductor, voltage 
drops occur as the 
distance of the 
conductor increases 


Capacity margin - 
measures the reliability 
of a region’s energy 
supply by determining 
the percentage of 
capacity at peak 
demand that is over 
and above what is 
necessary, and, 
consequently, reflects 
a region’s “margin of 
safety,” or reserve 


Reserve margin - 
measures reliability 
relative to demand and 
not capacity 


Loss-of-load 
probability — allows a 
region, given its 
individual 
characteristics, to 
ensure that, on 
average, there will be 
only one day in 10 
years that total power 
available to the region 
will be insufficient to 
meet demand 
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As you can see in Table 3, spark spreads vary from region to region. This is in large part due 
to the existence of separate markets caused by transmission constraints that exist in this 
country’s electrical grid. Ideally, power generated in California should be able to be 
transported to New York, but bottlenecks in the transmission grid prevent this. Additionally, as 
electricity travels long distances, voltage drops occur so that it is impractical and unprofitable 
to ship power across the country without substantial line losses. Bottlenecks and line losses 
demonstrate the importance of having generation as close to the load as possible. 


Supply Concerns 

All regions must have a margin of safety in which they operate to ensure stability of the supply 
of electricity. Electricity is a commodity that cannot be stored; it must be used as produced or 
else it is lost. Therefore, sudden increases in demand for electricity or shortfalls in its supply, 
which can be brought on by circumstances such as a heat-wave or a plant outage, cannot be 
filled by tapping stored electricity reserves. As the supply of power plants cannot 
instantaneously be increased to meet demand, excess capacity is necessary to ensure 
demand can be met as circumstances dictate. 


The capacity margin of a region is defined as the region’s capacity at peak demand minus 
peak demand divided by capacity at peak demand. 


CapacityatPeak — PeakDemand 
CapacityatPeak 


Capacity Margin = 


It measures the reliability of a region’s energy supply by determining the percentage of 
capacity at peak demand that is over and above what is necessary and, consequently, reflects 


a region’s “margin of safety,” or reserve. 


The reserve margin ratio, another measure of reliability, is defined as capacity at peak 
demand minus peak demand divided by peak demand, and measures reliability relative to 
demand and not capacity. 


CapacityatPeak — PeakDemand 


Reserve margin = 
PeakDemand 

Jefferies assumes that a capacity margin of 16% is necessary to bring about equilibrium in the 

electricity market. The figure most accurately reflects the ranges given by the NERC regions 

and the margins they have run at historically. 


Most regions use loss of load probability analysis (not capacity margin calculations) to 
determine required reserves. A loss-of-load probability analysis results in most regions 
targeting a capacity margin range of 15-20%. 
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Table 4: Jefferies Supply/Demand Forecast 


Region Margin 2004 2005 2006 2007 2008 2009 2010 2011 2012 
ECAR Res Marg 34% 24% 22% 20% 18% 16% 15% 13% 11% 
ECAR Cap Marg 25% 19% 18% 17% 15% 14% 13% 12% 10% 
ERCOT Res Marg 17% 11% 16% 15% 11% 3% 7% 5% 3% 
ERCOT Cap Marg 14% 10% 14% 13% 10% 8% 6% 4% 2% 
FRCC Res Marg 14% 11% 11% 11% 10% 7% 12% 11% 13% 
FRCC Cap Marg 12% 10% 10% 10% 3% 7% 11% 10% 11% 
MAAC Res Marg 26% 17% 17% 14% 12% 10% 3% 7% 5% 
MAAC Cap Marg 21% 15% 14% 12% 10% 3% B% 6% 5% 
MAIN Res Marg 30% 13% 11% 9% 7% 7% 5% 5% 3% 
MAIN Cap Marg 23% 11% 10% 8% 7% 7% 5% 4% 3% 
MAPP Res Marg 13% 13% 12% 13% 10% 12% 3% 10% 8% 
MAPP Cap Marg 11% 11% 10% 11% 3% 11% 8% 9% 8% 
NPCC Res Marg 45% 31% 30% 27% 25% 24% 23% 20% 18% 
NPCC Cap Marg 31% 24% 23% 21% 20% 19% 19% 17% 15% 
SERC Res Marg a? % 34% 33% 32% 30% 29% 28% 26% 24% 
SERC Cap Marg 27% 26% 25% 24% 23% 23% 22% 21% 20% 
SPP Res Marg 32% 28% 26% 24% 21% 18% 18% 16% 16% 
SPP Cap Marg 24% 22% 21% 19% 17% 16% 15% 14% 14% 
WECC Res Marg 33% 52% 32% 30% 29% 28% 20% 26% 26% 
WECC Cap Marg 25% 24% 24% 23% 22% 22% 22% 21% 21% 


Source Jefferies & Company, Inc. Research assumptions, EVA and NERC data 


Demand Concerns 

The Edison Electric Institute (EEI) tracks electricity sales to ultimate customers dating back to 1926. For the period 
1926 to 1999, electricity sales to ultimate customers (demand) have increased at a compound annual growth rate of 
5.7%. The decade of highest growth was the period 1950—1960, when annual demand grew by 9.3%. This was a period 
marked by high GDP growth and widespread adoption of new energy-intensive technology, including air-conditioning, 
refrigerators, dishwashers, and television. 


Figure 3: Percent Change in Real GDP vs. Electricity Demand 
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Source: Department of Commerce and Edison Electric Institute 


Since the 1950s, there has been a decline in demand growth for electricity in each subsequent decade (the 1990s are 
based on statistics compiled through 1999). Another notable trend since this period is the decline in electricity growth 
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relative to GDP growth. In the 1960s, annual electricity demand grew by 7.4%, or nearly twice the rate of GDP growth. 
In the 1970s and 1980s, the ratio of electricity demand growth to GDP growth fell to 1.4 times and 0.7 times, 
respectively. More recently in the 1990s, this ratio has remained stable at a level of 0.7 times. 


Table 5: Compound Growth Rates 


Years 

1930-1939 
1940-1949 
1950-1959 
1960-1969 
1970-1979 
1980-1989 
1990-1999 


Real 
GDP 
1.86% 
4.69% 
3.24% 
4.16% 
3.22% 
3.01% 
2.82% 


Source: Department of Commerce and Edison Electric Institute 


Electricity 
Demand 
3.51% 
7.68% 
8.37% 
6.70% 
4.10% 
2.11% 
1.89% 


Electricity Demand vs. 


Real GDP Ratio 


What accounts for these declining growth trends in electricity demand? According to the “Annual Energy Outlook” 
(AEO) report, published by the Department of Energy’s Energy Information Administration (DOE/EIA), this trend has 
been caused by several factors. They include increased market saturation of electric appliances, improvements in 
equipment efficiency, and utility investments in demand-side management programs. The report states, “Throughout 
the forecast, growth in demand for office equipment and personal computers (PCs) has been dampened by slowing 
growth or reductions in demand for space heating and cooling, refrigeration, water heating, and lighting.” The AEO 
2005 forecast assumes that annual electricity demand will grow by 3.1% (base case) to 3.6% (high case) over the 
period 2003-2025, compared to a forecast 3.1% growth rate in GDP during this same period. This increase in demand 
represents a slight reversal of the trend shown in Table 5. Several factors contributing to this growth in demand are 
increases in the average size of homes and a shifting population to warmer climates where air conditioning is utilized 


year round. 
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Utility Regulation 101 


How does a utility file a rate case? 

Utilities file rate cases with their state’s utility commission, e.g., public service commission (PSC) or public utility 
commission (PUC). The process typically takes nine months to one year and includes the milestones listed below. It is 
important to remember that the PSC can only base its decision on the record in the rate case and that the regulators 
use a cost-of-service formula to set rates. In many instances, however, commissions have agreed to rate settlements 
(multi-year in some cases) and/or performance-based ratemaking. 


Figure 4: Rate Proceeding 
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disagree with PSC 
decision then you can ask 
the PSC to review their 
decision. If the request is 
denied the intervenors can 
challenge it in state court. 


Source: Jefferies & Company, Inc. Research 


How are rates set, under cost of service regulation? 

U.S. electric utilities transmission and distribution businesses operate under a cost of service formula (generation does 
as well, unless it has been deregulated, which varies by state). This formula determines the level of permitted profit 
that a regulated utility can earn. 


Authorized Earnings = Rate Base x Common Equity Ratio x Authorized Return on Common Equity 


Rate Base 

Rate base is the value of property on which a utility is allowed to earn a specified rate of return as established by a 
regulatory authority. Before adding property to a utility's rate base, regulators determine if the property is prudent and 
operating for service to ratepayers. If the property meets all the regulator's criteria it will then be added to the 
company’s rate base. Also, any retired/depreciated property will be removed from rate base, so it is important to 
determine what the utility is spending on construction in excess of depreciation. 


Common Equity Ratio 
Total capitalization of a utility includes common equity, preferred stock and long term debt. The common equity ratio is 
the ratio of common equity to total capitalization. Regulators typically allow a common equity level of 40%-50% 


Return on Common Equity (ROE) 

Regulators determine a utility's weighted average cost of capital (WACC) including its ROE (the ratio of net income to 
average common equity) as part of a general rate case. The ROE is established based on the Capital Asset Pricing 
Model (CAPM), Discounted Cash Flow method (DCF) and/or other recognized criteria included as testimony by expert 
witnesses. 
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Table 6: Average U.S. Authorized ROE for Electric Utilities 


Year 
1995 
1996 
1997 
1998 
1999 
2000 


Source: Regulatory Research Associates 


Average ROE 
11.55% 
11.39% 
11.40% 
11.66% 
10.77% 
11.43% 


Year 
2001 
2002 
2003 
2004 
2005 


Average ROE 


11.09% 
11.16% 
10.97% 
10.75% 
10.54% 


Step 1: Authorized Earnings 
Rate Base = $10 billion 
Common Equity Ratio = 50% 


Authorized ROE = 10% 


Authorized Earnings = $10 billion x 50% x 10% 


Authorized Earnings = $500 million 


Utilities will now take this permitted profit, gross it up for taxes, add all their expenses and come up with a level of 
revenue that should enable them to earn this profit (see Step 2). Once the level of revenue is determined, the company 
will forecast the amount of electricity that ratepayers need during the specified time period (see Step 3). 


Step 2: Revenue Requirement 
Authorized Earnings = $500 million 
Income Tax Rate = 35% 

Other taxes = $100 million 

Interest expense = $400 million 
Depreciation = $350 million 

O & M expenses* = $1.4 billion 


Fuel expense = $450 million 


Revenue Requirement = $500 = (1 — 35%) + $100 + $400 + $350 + $1,400 + $450 


Revenue Requirement = $3.47 billion 


*O & M-— operation and maintenance 
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Step 3: Rate Determination 

Revenue Requirement = $3.47 billion 

Expected sales = 61.9 billion kilowatt hours (kWh) 

Rates = $3.47 billion + 61.9 billion kWh 

Rates = $0.056 kWh 

Utilities vary the cost of electricity based on the retail customer class, including residential, 
commercial and industrial (utilities also have wholesale customers, e.g., other utilities, 
municipal utilities and cooperatives, which we will save fro another discussion). If the utility 


should over-earn its authorized earnings, then regulators may require the company to 
show cause why they overearned their permitted earnings. Sometimes the cause is 


Show Cause - When higher expected load due to abnormal weather, which would not be an issue with the 
utilities overearn, regulators. If the overearning scenario was caused by something that the utility had control 
regulators want to over (such as decreases in O&M spending) then the regulators may require the utility to file 


determine the cause 


f a rate case which would adjust rates so that the company earns within the specified ROE. 
of the overearning 


In some jurisdictions this overearning is addressed by a sharing formula between 
shareholders and ratepayers at the time of a rate agreement. 


If the utility should underearn its authorized earnings, then the company would seek to file 
another rate case to increase rates and hopefully restore the earned ROE to a more normal 
level. One culprit for an underearning scenario can be higher than expected fuel and 
purchase power expenses. Utilities are typically not permitted to ask regulators to limit their 
review of expenses to only a few items such as fuel and purchase power. Regulators will 
review all expenses and all revenue so the ability to increase rates based on one expense 
is unlikely, although exceptions have been made (e.g., pension costs and environmental 
spending). Typically, the public service commission is governed by state law and some 
states have adopted legislation that allow for PSC authorization to recover fuel and 
purchase power costs without entering into a full blown rate proceeding. One solution to 
this is the use of a fuel and purchase power adjustment clause. 


Fuel and Purchase Power Expense 

One of the most difficult expenses to predict for a utility is fuel and purchased power costs. Utilities that own generating 
assets purchase fuel (e.g. natural gas, coal or oil) to generate electricity in their power plants. When spikes occur in 
commodity prices, it could make it very difficult for the company to earn their allowed return since high fuel prices were 
not included in its forecast. For utilities that do not own any generating assets, their risk could be in purchasing power 
for customers. If rates get set a year in advance and weather creates high demand for electricity, the company could 
end up paying a premium for power which they did not forecast when rates were being set. 


Certain jurisdictions mitigate the commodity risk for a utility by allowing a fuel or purchase power adjustment clause, 
which enables the utility to pass any changes in commodity prices to the ratepayer without requiring a rate proceeding. 
Under this scenario, a utility's cash and revenue will increase by the same amount that fuel/purchase power exceeded 
forecasted amounts. In some jurisdictions that do not permit a fuel/purchase power adjustment clause, deferred 
accounting of fuel and purchase power costs is permitted, i.e., costs are deferred for future recovery with a return on the 
unrecovered balance. Once a new rate plan is approved, the company will collect cash that was spent on fuel and 
purchase power during the previous plan. Below is a table that specifies which states allow utilities to pass fuel and 
purchase power expenses directly to ratepayers without a rate case. It is important to note that a number of states that 
have deregulated generation (i.e., utilities have sold off their generation and are required to procure power for 
customers that have not chosen alternative suppliers) are permitted to recover 100% of power supply costs on a timely 
basis. 
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Table 7: Fuel and Purchase Power Clauses by State 


State 
Alabama 
Arizona 
Arkansas 
California 
Colorado 
Connecticut 
Delaware 
D.C. 

Florida 
Georgia 
Hawaii 

Idaho 

Illinois 
Indiana 

lowa 

Kansas 
Kentucky 
Louisiana 
Maine 
Maryland 
Massachusetts 
Michigan 
Minnesota 
Mississippi 
Missouri 
Montana 
Nebraska 
Nevada 

New Hampshire 
New Jersey 
New Mexico 
New York 
North Carolina 
North Dakota 
Ohio 
Oklahoma 
Oregon 
Pennsylvania 
Rhode Island 
South Carolina 
South Dakota 
Tennessee 
Texas 

Utah 
Vermont 
Virginia 
Washington 
West Virginia 
Wisconsin 
Wyoming 


New Cap 
Integ. Res. |IRPPUC |PPA Fuel Deferred 
Rong .[Non-reg. oe Year Approval Clause  |Clause Costs 


NO YO YN 
I 
RM NNN 
XR (= | (| [\ A 
RVING [| 
INN NN NN 
RM NNN NN 
Rs SR ING S| 
RoR NN 
RoR NN 


Footnotes and Key listed below 


Source: Jefferies & Company, Inc. Research and Regulatory Research Associates 
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Key: 
R — Regulated 
N — Non-regulated 
H — Historical test year 
P — Projected test year 
M — Mixed test year (both Historical and Projected) 
Footnotes 
1 ACC is authorized to approve the use of PPA and FAC but currently none are in use. 
Rates are capped throught 5/06. Companies may file for a rate increase if fuel/purchase power 
2 costs exceed 115% of those reflected in capped rates. 
3 Excludes single-cycle gas turbine (SSGT) plants 
4 Non-automatic; hearing required before implementation 
5 Legislation was enacted in 7/05 and utilities can apply for it beginning in 2006. 
6 No investor-owned utilities 
7 Non-automatic 
8 Non-automatic 
9 State prudence review of any proposed new build in the state 
10 Adjustment clauses and deferred accounting adopted for utilities on an exception basis. 


What Drives Growth in Net Income 


Double Leverage - 
When a utility has a 
significantly higher 
leverage ratio at the 
parent than at the 
utility 


Utilities" and "earnings growth" are usually not used in the same sentence, but there are several 
ways a utility can grow earnings, most notably through rate base additions. Other possible 
drivers--assuming a utility is not exceeding its authorized ROE--include sales growth (which 
often leads to rate base additions), cost-cutting, increased plant efficiency or the refinancing of 
debt in a declining interest rate environment. Under the cost-of-service formula, utilities can add 
to rate base, which would provide the company with the ability to earn more net income. 
Additions to rate base need to be approved by regulators, so it may not be as easy as it sounds. 
Historically, the most contentious regulatory proceedings involving large-scale rate base 
additions have involved nuclear power plants, many of which faced massive cost overruns 
(some of it attributable to outside factors, some due to mismanagement). 


Certain regulatory bodies present a very challenging environment for companies to recover 
capital investments or do not allow an authorized return that is beneficial for companies to 
deploy large amounts of capital into infrastructure. If the regulators decide that the additions to 
rate base are “prudent” and “used and useful”, the utility now has to decide how to fund these 
projects, i.e., with debt, equity or a combination or both. Usually the capital projects are 
financed with the same capital structure that the company had in its last rate case. One way for 
the company to alter that capital structure would be through the use of double leverage (i.e., 
debt would be raised at the parent and cash would be down streamed to the utility via an equity 
infusion. Regulators are usually concerned about this, and whether this is permitted varies by 
state. 
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Load Duration Curves 

Using data available at the ISOs on actual hourly load and generation by fuel type, we have constructed load duration 
curves for PJM, NEPOOL, New York ISO, WECC, Northern Illinois, and ERCOT, to determine what type of power plant 
is on the margin over the course of one year. Our supply of non-gas capacity was adjusted for assumed forced outages, 
including 4% for nuclear power plants, and 7% for coal plants. We assume that low variable cost, non-gas sources 
(including hydro, wind, nuclear, and coal plants) would be dispatched before gas units in an effort to supply hourly load. 
In the PJM region, for example, gas and oil plants are setting the price 45% of the time. 


Figure 4: PJM Load Duration Curve 
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Figure 5: NEPOOL Load Duration Curve 
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Figure 6: NYISO Load Duration Curve 
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Figure 7: WECC Load Duration Curve 


160000 


140000 


120000 


100000 


z Sca0n Gas/Oil 


60000 
40000 


20000 


Nuclear 


0% 10% 20% 30% 40% 50% 60% 70% 80% 20% 100% 


% on Margin 


Gother MHydro OP.S. ONuclear Coal MGas/Oil 


Source: Jefferies & Company, Inc. Research 


Please see important disclosure information on pages 20 - 22 of this report. Jefferies & Company, Inc. 
Paul B. Fremont , pfremont@Jefferies.com, (212) 284-2466 Page 14 of 22 


Electric Utilities 


Figure 8: Northern Illinois Load Duration Curve 
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Figure 9: ERCOT Load Duration Curve 
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Environmental Laws and Regulations 


Sulfur Dioxide and Nitrogen Oxides Legislation 
In January 2004, the US Environmental Protection Agency proposed the Clean Air Interstate Rule (CAIR), which would 


require 29 states and Washington, DC to develop plans to reduce sulfur dioxide (SO2) and nitrogen oxides (NO,) 
emissions. The proposed rule would reduce SOz emissions by 40%, or 3.6 million tons, in 2010 and by 70%, or 5.6 million 
tons per year when the rules are fully implemented (expected to occur in 2018). NO, emissions under the proposal would 
be reduced by 1.5 million tons in 2010 and by 65%, or 1.8 million tons, annually by 2015. A May 2004 supplement to the 
CAIR would cap the level of mercury emissions at 65% below today’s levels beginning in 2015. The value of existing 
emission allowances is expected to decline under CAIR since the allowed level of SO. and NO, will be reduced by ”% in 
2010 (4.5 million tons) and by a 1/3 in 2015 (3.0 million tons). Essentially each existing allowance today would apply to 72 
ton of sulfur emissions in 2010 and 1/3 of a ton of sulfur emissions in 2015 versus one ton today. Under the EPA proposal, 
states could meet the emission reduction requirements either by joining the EPA managed cap and trade program or 
through other emission control measures. Each of the states must submit a plan to the EPA for approval. The EPA 
finalized the CAIR on March 10, 2005. 


Under the Kyoto accords (not signed by the US), the US would be required to implement emission reductions of 7% 
from 1990 levels (including a reduction in carbon dioxide emissions). Among the major objections put forward by the US 
to the proposed agreement was the amount of reduction that could be credited to each company under proposed 
emission trading targets and the extent to which carbon sequestration by forests and other agricultural practices could 
be counted towards a country’s emission reductions. The McCain-Lieberman proposal, which was defeated by the US 
Congress in 2005, called for a reduction of emissions to 2000 levels by 2010 and 1990 levels in 2016 (Lieberman- 
McCain bill). 


While the legislative future for emission limits remains uncertain and may vary depending on the outcome of the November 
2004 election, the cost of environmental compliance under existing restrictions imposed under the Energy Policy Act of 
1992 has risen as measured by the price of emission allowances. According to a recent Platts report, the weekly index for 
the week ended January 9 indicates a price of $405 for SO, allowances and $800 for vintage 2007 NO, allowances. 
Whereas NO, costs have remained relatively stable over time, the cost of SO2 emission allowances is up substantially 
relative to historical levels. 


Prior to 2004, SO, emission allowances have mostly traded in the range of $200 per ton of sulfur emissions. The 
current cost of $405 represents a 103% increase in price. The impact of an emission allowance on production costs can 
be calculated as follows: 


Step one: convert the cost per ton of sulfur emission into a cost per pound of emission. 


405 


7,000 = $0.20 per pound 


Step two: determine the amount of excess pounds of sulfur per ton. Midwestern coal sulfur content ranges from 1-4% 
versus Powder River basin coal which is usually in the range of 1%. Using a 3% sulfur content as an example we can 
arrive at 5.45 pounds of sulfur per ton as follows: 


% sulfur content per ton times 2000 pounds per ton divided by the heat content of the coal (typically 5,000-15,000 Btu 
per pound) times 1000 equals the number of pounds of sulfur per ton. 


.03 * 2,000 


* 1,000 = 5.45 pounds of sulfur per ton 
11,000 


Assuming that the site-specific limit is a 95% reduction, the excess would be 5.18 pounds per ton (or 5.45*95%). 


Step 3: multiply the excess pounds per ton by the cost per ton (equals the dollar cost per mmBtu) and multiply the 
product by the heat rate of the plant divided by 1000 for the cost per MWh. 


$0.20 * 5.18 oo = $10.36 per MWh 
1,000 


> 
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While the cost of compliance appears to be high at first glance, utilities can mitigate a substantial amount of this cost. 
Jefferies estimates that initial allocations under the Energy Policy Act of 1992 provided allocations equivalent to 2/3 of a 
company’s excess sulfur output. Consequently, assuming that 2/3 of allowances are derived from a company’s original 
allocation, the increase per MWh would be only $3.45 (which is one third of the $10.36 cost calculated above). 
Additionally, many companies have hedged their future emission obligations through forward purchases when SO, 
allowances were significantly cheaper. It is therefore unlikely that utilities will experience a material spike in production 
costs due to the higher price of emission allowances. 


The calculation for Nitrogen Oxides emission is essentially the same as sulfur. The following chart contains nitrogen 
content in different types of coal, which ranges from 0.5%-1.5%: 


Table 8: Nitrogen Content by Type 


Fuel Type Nitrogen(%) 
Lignite 
Subbituminous 


Bituminous 
Semibituminous 
Semianthracite 
Anthracite 


Source: Steam Plant Operation by Everett B. Woodruff, Herbert B. Lammers, Thomas F. Lammers. 


Carbon Dioxide Legislation 

With policies aimed at mitigating carbon dioxide (CO2) emissions gaining more momentum in the U.S., Jefferies has 
taken a closer look at quantifying the potential impact on wholesale power prices. Although legislation is possible at the 
federal level over the next couple of years, several states have forged ahead with a cap and trade program designed 
specifically for the Northeast and Mid-Atlantic regions. We believe that merchant nuclear generators would be the clear 
beneficiaries of a CO2 cap and trade program due to the expected positive impact on wholesale power prices and 
absence of any offsetting compliance costs. 


The Northeast Regional Greenhouse Gas Initiative (RGGI) is a regional, mandatory cap and trade program initially 
covering carbon dioxide (CO2) emissions from power plants with capacity greater than 25 megawatts (MW) in the 
affected states. These states include Connecticut, Delaware, Maine, New Hampshire, New Jersey, New York and 
Vermont, although Maryland is expected to join by June 2007. The program aims to stabilize emissions at current levels 
(approximately 121 million tons annually) during January 1, 2009 through 2015. Emissions will then be reduced over a 
four-year period to achieve a 10% reduction by 2019. Under the RGGI program, each member state will issue one 
allowance for each ton of CO, emissions allowed by the cap. Each state will additionally determine the method of 
allocating carbon credits. The two most likely criteria for allocating the credits would be MWh production levels or 
current carbon emission levels. RGGI provides that at least 25% of a state’s allowances be dedicated to strategic 
energy or consumer benefit purposes, resulting in a likely auctioning off of a quarter of the allowances. Sources that do 
not have enough allowances to cover their emissions must reduce their emissions, buy allowances on the market or 
generate credits through an emissions offset project (e.g., carbon sequestration). 


The RGGI initiative will likely create an economic benefit for generators who use non-fossil fuels to produce power. If 
carbon credits are allocated on the basis of production, then all generators, including those who do not produce carbon 
emissions, would be entitled to receive carbon credits. Non-fossil fuel generators would also benefit from a potential 
increase in the market price for power. Jefferies estimates the market price impact in the Northeast and Mid-Atlantic 
area to be approximately $0.65-$0.80 per MWh for each $1.00 change in the cost of a carbon allowance per ton. 


The first step in our analysis is to use a regional load duration curve to allocate the source of fuel used in setting the 
total price. For instance, in Figure 5 we show the load duration curve for New England where gas and oil are on the 
margin 89% of the time as compared to Figure 6 in New York, where gas and oil are on the margin 100% of the time. 


Next, we calculate a weighted average heat rate based on type of fuel source. For this example, we assume heat rates 
of 10,500 Btu/KWh for coal and oil and 9,600 Btu/KWh for natural gas (in New England we calculate a weighted 
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average heat rate of 10,005 Btu/KWh versus 9,960 Btu/KWh in New York). Next, we multiply the output (1 MWh) by the 
weighted average heat rate times 1,000 to convert MWh into Btu. This gives the total Btu count for the region from 
which we can derive the number of Btu from each fuel source based on the allocations derived from our load duration 
curve. We then take the amount of Btu produced from each fuel source and multiply it by the average pounds of CO, 
produced per Btu (i.e., as estimated by the Department of Energy; refer to Table 1). 


Step 2: Calculate a weighted average heat rate based on the type of fuel source 


Btu Btu Btu Btu 
9% coal x 10,500 t—— + 36% oil x 10,500 + 55% natural gas x 9,600 = 10,005 
KWh h KWh KWh 
Bt Bt 
Step 3: Convert heat rate ( id ) to id 
KWh MWh 
Bt 1,000K Wh Bt 
(0008 =x = 10,005,000 —— 


KWh IMWh 


Step 4: Determine Btu per MWh for each fuel source 


Btu Btu 
Coal Btu per MWh = 9% x 10,005,000 ——— = 900,450 
MWh MWh 
Btu Btu 
Oil Btu per MWh = 36% x 10,005,000 ——— = 3,601,800 
MWh 
Btu Btu 
Natural Gas per MWh = 55% x 10,005,000 ——— = 5,502,750 
MWh 
Table 7: Pounds of CO, per MMBtu 
bituminous coal 205.300 
sub-bituminous 212.700 
lignite 215.400 
natural gas 117.080 
oil 161.386 


Source: DOE Energy Information Administration 


We next divide this by 2,000 to approximate how many tons of CO2 are produced per MWh (in our example, for oil, this 
would be 581/2000 = 0.291 per MWh). If a CO; credit costs $1.00 per ton we multiply this by the tons of CO2 per MWh 
to get the resulting impact on power prices. By taking the total tons of CO. produced per MWh (based on all fuels in the 
mix) and multiplying it by an assumed market price per CO, allowance, we can come up with sensitivities to the price 
per MWh. 


Step 5: Determine the tons of COz per MWh for each fuel source 


ImmBtu ‘ 207.5lbsCO, r 1Ton 
1,000,000Btu ImmBtu 2,000/bs 
ImmBtu P 161.3/bsCO, 7 1Ton 
1,000,000 Btu ImmBtu 2,000/bs 
ImmBtu ‘ 117.0/bsCO, Z 1Ton 
1,000,000Btu ImmBtu 2,000/bs 


Coal: 900,450 Btu x = 0.093 tons of CO, 


Oil: 3,601,800 Btu x 


= 0.291 tons of CO, 


Nat Gas: 5,502,750 Btu x = 0.322 tons of CO, 
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Step 6: Assuming each allocation costs $1 then 


Coal: 0.093 tons x $1 = $0.09 for each ton of CO, 
Oil: 0.291 tons x $1 = $0.29 for each ton of CO, 
Nat Gas: 0.322 tons x $1 = $0.32 for each ton of CO, 


We estimate, for example, that each $1.00 cost per CO allowance would result in a $0.70 impact per MWh in NEPOOL 
and $0.67 impact in New York (results in an approximate 1% impact on the RTC wholesale power price). Under a 
scenario assuming a cost of $7.00 per allowance (equivalent to the lower of two proposed soft price caps included 
under RGGI; the other soft cap is $10.00 per allowance), we estimate the impact per MWh at $4.94 in NEPOOL and 
$4.70 in New York. Since gas and oil are setting the price 91%-100% of the time in these two regions, we believe that 
merchant oil and gas generators will be able to recover all their costs, while coal generators will only partially recover 
their costs (i.e., since they are at the margin such a small percentage of the time). For merchant nuclear generators, we 
see pure upside associated with a CO, cap and trade program assuming that power prices are favorably affected. For 
purposes of our analysis we have assumed that, similar to past federal policy addressing SO2 emissions, nuclear 
generators are not allocated any emissions allowances. To the extent they are, however, this could result in more 
earnings upside than indicated in our analysis. 
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